Chapter Five—Functionalization,
Classification, and Allocation

In allocating costs to a particular class of customers, there are three major steps (if all
cost of service issues have been resolved): (1) functionalization, (2) classification, and {3)
allocation. FERC has indicated that a guiding principle for this step is that the allocation
must reflect cost causation. See, e.g., Kentucky Utilities Co., Opinion No. 116-A, 15 FERC
961,222, p. 61,504 (1983); Utah Power & Light Co.,, Opinion Na. 113, 14 FERC 961,162,
p. 61,298 (1981).13

A. Functionalization

Generally, plant or expense items are first functionalized into five major categories:
{1) Production;

(2) Transmission;
(3) Distribution;
{4) General and Inmangible; and

{3} Common and Other.

See 18 C.ER. §35.13(h)(4)(iii) (plant); 18 C.ER. §35.13(h)(8)(i) (O&M expenses). Each plant
or expense item will be segregated into the category with which it is most closely related.
While functionalization for most items is relatively straightforward, and not usually lid-
gated, problems do arise with respect to the functionalization of administradve and general
expenses (A&G)!* and general plant expenses.!?> FERC sated that:
The Commission normally requires that A&G and General
Plant expenses be allocated on the basis of total company labor

ratios. Under such allocation method, A&G and General Plant
expense items are ‘functionalized, or segregated into...

13 Where 2 company has significant non-jurisdictional business, the above cost incutrence principle is important

in keeping FER.C within its jurisdicdonal constraints.  See Panhandle Eastem Pipe Line Co. v. FPC, 324 US.
635, 641-42 (1945) (“the Commission must make 3 separation of the regulated and unregulared
business...Otherwise che profits or losses...of the untegulated business would be assigned to the teguiated
business znd the Cornmission would rransgress the jurisdictional lines which Congress wrote inito the Act™).

A&G expenses include salaries of officers, execurives, and office employees, employee benefits, insurance, etc,

135 General plant includes office furniture and equipment, transportation vehicles, lockers, tools, lab equip-

ment, e,
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production, transmission, distribution, customer accounts, cus-
tomer service, information, and sales. This ‘functionalization’ is
in proportion to the ratio of the labor cost in each major func-
tion to total labor costs less A&G and General Plant labor. Each
functionalized component is allocated to customer groups.

Utah Power & Light Co., Opinion No. 308, 44 FERC 961,166, p. 61,549 (1988). See also
Minnesota Power & Light Co., Opinion No. 20, 4 FERC 161,116, p. 61,268 (1978) (general
plant will be functionalized by labor ratios unless it is shown that the use of labor ratios pro-
duces unreasonable results). In many cases, FERC has allowed labor ratios to be used to func-
tionalize general plant. See, e.g., Utah Power & Light Co., Opinion No. 308, 44 FERC at
61,549; Kansas City Power & Light Co., 21 FERC 163,003, p. 65,034 (1982), affd, 22 FERC
961,262 (1983); Delmarva Power & Light Ce., 17 FERC 963,044, p. 65,204 (1981), affd,
Opinion No. 185, 24 FERC 961,199 (1983); Philadelphia Electric Co., 10 FERC 963,034,
pp. 65,355-56, aff'd, 13 FERC 161,057 (1980). Similarly, FER.C has required that most A&G
expenses be functionalized on the basis of labor ratios. Missouri Power & Light Co., Opinion No.
31, 5 FERC 961,086, pp. 61,137-38 (1978); Kansas City Power & Light Co., 21 FERC at
65,035; Delmarva Power & Light Co., 17 FERC at 65,204. An exception to this has been estab-
lished for property insurance which has been functionalized on plant ratios. Padfic Gas & Electric
Co., 16 FERC 463,004, pp. 65,015-16 (1981), afd, Opinion No. 147, 20 FERC 961,340
(1982); Kansas-Nebraska Natural Gas Co., Opinion No. 731, 53 FPC 1691, 1722 (1975).

Common plant and intangible plant also have been analogized to general plant and func-
tionalized on the basis of labor ratios. Kansas City Power & Light, 21 FER.C at 65,035; Delmarva
Power & Light Co., 17 FERC at 65,204; Philadelphia Elearic, 10 FERC at 65,355-56.

Another issue that has arisen is the calculation of the labor ratios. Usually, the labor
ratio consists of total labor costs in the denominator with the labor costs associated with a
particular category in the numerator. In a number of proceedings, companies have attempted
to change the ratio by only including production, transmission, and distribution-related labor
costs in the denominator, thereby excluding customer service related labor costs. FERC
rejected this in at least one case. Kansas City Power & Light, 21 FERC at 65,033-34.

B. Classification

After functionalizing, the next step is to classify those expenses or costs into one of
three categories (1) demand, (2) energy, or (3) other. See 18 C.ER. §35.13(h)(8)(1i)(A).

FERC's Staff for a number of years has used the predominance method for classifying
production O&M accounts. Under this method if an account is predominantly (51-100%)
energy-related, it will be classified as energy. The same also is true with respect to demand
related costs. FERC has accepted this method in a number of cases. See, e.g., Arizona Public
Service Co., 4 FERC 961,101, pp. 61,209-10 (1978); Illinois Power Co., 11 FER.C %63,040,
pp. 65,255-56 (1980), aff'd, 15 FERC 461,050, p. 61,093 (1981); Kansas City Power & Light
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Co., 21 FERC 163,003, p. 65,037 (1982), affd, 22 FER.C 961,262 (1983); Minnesota Power &
Light Co., Opinion No. 86, 11 FERC 161,312, pp. 61,648-49 (1980).136

In addition to FERC'’s adoption of Staff’s predominance method, FERC also has
adopted Staff’s classification index of production O&M accounts. Arizona Public Service Co., 4
FERC at 61,209-10; Kansas City Power & Light, 21 FERC at 65,037; Minnesota Power &
Light Co., 11 FERC at 61,648-49. In Montaup Electric Co., Opinion No. 267, 38 FERC at
61,864, FERC rejected a proposed rate tilt, finding that the “proposal is inconsistent with
the classification table of predominant characteristics for operation and maintenance accounts
used by Staff, which has been approved by the Commission” In Southern Company Services,
Opinion No. 377, 61 FERC %61,075, p. 61,311 (1992), reh. denied, 64 FERC 961,033
{1993), FERC, however, stated that the Staff index is not mandatory. FER.C accepted a
departure from the Staff’s index, though it held that a party proposing a departure has the
burden of justifying that departure.

C. Allocation

After classifying costs to demand, energy, and customer categories, the next step is to
allocate these costs to the various classes to determine their respective cost responsibilities. In
the past, the most hotly litigated allocation issue involved demand cost allocation. Typically,

FER.C has allocated demand costs on a coincident peak (CP) method. Houlton v Maine Public -

Service Co., 62 FERC 963,023, p. 65,092 (1992) (“Maine Public has cited a legion of
Commission decisions affirming the use of a coincident peak demand allocator.... And, it
denies knowledge of ‘any decision, involving an electric utility since the FERC came into
existence in 1977, where FERC did not follow a coincident peak method of allocating
demand costs’ ”). In Lockhart Power Co., 4 FERC 961,337, p. 61,807 (1978), FERC stated
that its “general policy is to allocate demand costs on the basis of peak responsibility as is
demonstrated by the overwhelming majority of decided cases.” See also Houlton v Maine
Public Service Co., 62 FERC at 65,092, Under a CP method, the demands used in the alloca-
tion are the demands of a particular customer or class occurring at the time of the sysiem
peak for a particular time period. The basic assumption behind this method is that capacity
costs are incarred to serve the peak needs of customers.

1. Coincident Peak A]Iocatidn

In most cases, FERC has accepted one of four CP methods—1 CP, 3 CP, 4 CP, and 12
CP, with the largest number of companies using a 12 CP allocation. Under a 1 CP method,
the allocator for a particular wholesale class will be developed by dividing the wholesale
class’s CP for the peak month by the total company system peak. Similarly, for 3, 4, and 12

136 1f 2 company is able to justify a percentage split, such as 70-30, in an account, then FERC may accept that

split. However, in light of FERC precedent on this subject, any party proposing a deviation from the pre-
dominance method likely will have the burden of justifying its proposed split.
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CP companies the numerator would consist of the average of the wholesale class’s coincident
peaks for each of the peak months, while the denominator would consist of the average of
the total system peaks for each of the peak months. FERC has held that interrupuble loads
should not be reflected in this demand allocation.'®”  See Delmarva Power & Light Co.,
Opinion No. 189, 25 FERC at 61,121; Delmarvg Power & Light Co., Opinion No. 185, 24
FERC 461,199, p. 61,462 (1983).
While FERC has not established a hard and fast rule for determining which allocation

method is appropriate, it has stated that the following factors should be considered:

[T]he full range of a company’s operating realities including, in

addition to system demand, scheduled maintenance, unsched-

uled outages, diversity, reserve requirements, and off-system
sales commitments. {footnote omitted).

Caroling Power & Light Co., Opinion No. 19, 4 FERC 461,107, p. 61,230 (1978);
Commonwealth Edison Co., 15 FERC 963,048, p. 65,196 (1981), aff'd, Opinion No. 165, 23
FERC 61,219 (1983); lllinois Power Co., 11 FERC 963,040, pp. 65,247-48 (1980), affd, 15
FERC 61,050 (1981). See also Houlton v. Maine Public Service Co., 62 FERC at 65,092
(applying FER C’s various tests in finding that a 12 CP was appropriate).

a. System Demand Tests

If a udliry’s system demand curve is relatively flat, then that supports the use of 2 12 CP
method under FERC precedent. If a utility experiences a pronounced peak during one,
three, or four consecutive months, then under FERC precedent the use of another CP
method would be supported.

In determining whether a utility experiences a pronounced peak during a particular
time period, FERC considers a number of tests. First, FERC has compared the average of
the system peaks during the purported peak period, as a percentage of the annual peak, to
the average of the system peaks during the off-pezk months, as a percentage of the annual
peak. FERC has held that large differences between these two figures lends support to using
something other than a 12 CP method, while a smaller difference supports 12 CP, as shown
below: 138
(1) Louisiana Power & Light Co.,

Opinion No. 813,
59 FPC 968 (1977)
(31% difference—4 CP);

137 EERC ordered that the revenues from the interruptible loads be credited to che cost of service. Delmarya

Power & Light Co., 28 FER.C 961,279, p. 61,510 (1984).

138 Ser also Houlton v. Maine Public Service Co., 62 FERC 463,023, p. 65,092 {1992) {the ALJ stated that “using
established Commiission tests that compare average monthly peaks with the annual peak, lowest monthly
peak to the annual peak, average monthly demand peaks of the peak season to the monthly demand peaks
of the off-peak service” Maine Public is a 12 CP company).
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(2) Louisiana Power & Light Co.,
Opinion No. 110,
14 FERC 961,075 (1981)
(26% difference—4 CP);

{3) Lockhart Power Co.,
Opinion No. 29,
4 FERC 161,337 (1978)
{18% difference—12 CPY;

(4) Illinois Power Co.,
11 FER.C at 65,248,
(19% difference—12 CP);

{5) Commonwealth Edison Co.,
15 FER.C at 65,196
(16.4-24.9% differences—4 CP);

(6) Southwestern Public Service Co.,
18 FER.C at 65,034
{average difference of 22.9%; high of 28.3%—3 CP).

FERC also has used a second test involving the lowest monthly peak as a percentage of
the annual peak. The higher the percentage, the greater the support for 12 CP. This test has
been used in the following cases:

(1) Louisiana Power & Light Co.,

Opinion No. 813,
59 FPC 968 (1977)
(56%—4 CP):

(2) Idaho Power Co.,
Opinion No. 13,
3 FER.C 961,108 {1978)
(58%—3 CP); '

(3) Southwestern Electric Power Co.,
Opinion No. 28,
4 FER.C 161,330 (1978) .
{55.8%—4 CP);

(4} Lockhart Power Co.,
Opinion No. 29,
4 FER.C 61,337 (1978)
(73%—12 CP);
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(5) Southern California Edison Co.,
Opinion No, 821,
59 FPC 2167 (1977)
(79%—12 CP);

(6) Alabama Power Co.,
Opinion No. 54,
8 FERC 961,083 (1979)
(75%—12 CP);

(7) Hlinois Power Co.,
11 FERC at 65,248
(66%—12 CP);

{8} Commoruwealth Edison Co.,
15 FERC at 65,198
(64.6-67.8%—4 CP);

(9) Louisiana Power & Light Co.,
Opinion No. 110,
14 FER C 461,075 (1981)
(61.9%—4 CP};

(10} El Paso Electric Co.,
Opinion No. 109,
14 FERC 961,082 (1981)
(71%—12 CP);

{11y Carolina Power & Light Co.,
Cpinion No. 19,
4 FERC 961,107 (1978)
(72%—12 CP);

(12) New England Power Co.,
Opinion No. 803,
58 FPC 2322 (1977)
(80%—12 CP);

(13) Southwestern Public Service Co.,

18 FERC at 65,034
(on average, almost 67 percent—3 CP); and

108

Schedule 5-6




Allocation

(14) Delmarva Power & Light Co.,

17 FERC at 65,201
(71.4%~—12 CP).

Another test that has been utilized by FERC is the extent to which peak demands in
non-peak months exceed the peak demands in the alleged peak months. In Caroling Power &
Light Co., Opinion No. 19, 4 FERC at 61,230, FERC adopted 2 12 CP approach where the
monthly peaks in three nonpeak months exceeded the peaks in twe of the alleged peak
months. In Commonwealth Edison Co., 15 FERC at 65,198, FERC adopted a 4 CP method
where over a four year period, a peak in one of the 4 peak months was exceeded only once
by a peak from a non-peak month. See also Southwestern Public Service Co., 18 FERC at
65,034 {monthly peak in any non-peaking month exceeded the monthly peak in peak
month only once and 3 CP adopted).

A last cest involves the average of the twelve monthly peaks as a percentage of the high-

est monthly peak and has been used in the following cases:

(1)

2)

Ilinots Power Co.,
11 FER.C at 65,248-49
(81%—12 CP);

El Paso Electric Co.

Opinion No. 109,

14 FERC {61,082 (1981)
(84%—12 CP);

(3) Lockhart Power Co.,

(4) Southern California Edison Co.,

Opinion No. 29,
4 FERC 961,337 (1978)
{84%—12 CP);

Opinion No. 821,
59 FPC 2167 (1977)
(87.8%—12 CP);

(5) Louisiana Power & Light Co.,

®)

Opinion No. 110,
14 FER.C 161,075 (1981)
(81.2%—4 CP);

Commonwealth Edison Co.,
15 FER.C at 65,198
(79.4-79.5%—4 CP);
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(7) Southwestern Public Service Co.,
18 FERC at 65,035
(80.1%—3 CP); and

(B} Delmarva Power & Light Co.,
17 FERC at 65,202
(83.3%—12 CP).

b. Tests Relating to Reserves/Maintenance

To the extent a utility uses the off-peak months to perform its scheduled maintenance,
FER.C has found that supportive of the use of a 12 CP method. Alabama Power Co., Opinion
No. 54, 8 FERC 961,083, p. 61,327 (1979); Illinois Power Co., 11 FERC at 65,249; New
England Power Co., Opinion No, 803, 58 FPC 2322, 2338 (1977); Delmarva Power & Light
Co., 17 FERC at 65,202. But see Commonweaith Edison, 15 FERC at 65,199.13

However, the scheduled maintenance must be considered together with the reserves
available after the maintenance. To the extent the reserve margins are fairly stable after main-
tenance, then a 12 CP method is supported. If the reserve margins drop substantially to mar-
ginal levels during certain months, then 2 method other than 12 CP may be supported. See,
e.g., Minois Power Co., 11 FERC at 65,249 (46 percent reserves after maintenance non-sum-
mer months and 34.5 percent for summer months—12 CP); Coemmonwealth Edison Co., 15
FERC at 65,200 (for 1979 36.63 percent reserves after maintenance for 8§ non-summer
months and 22.15 percent for 4 summer months—4 CP).

c. Projection of CP and Total System Demands

In a number of cases, parties and the FERC Staff have challenged the filing company’s
estimated coincident peak or total system demand estimates.’*0 While FERC appears to
have established few hard and fast rules, the following cases provide some guidance. First,
parties have challenged projections on the basis that the historical periods used were not rep-
resentative. In some cases, FERC has held that muldple years of historical data should be

139 In Southwestern Public Service Co., Opinion No. 337, 49 FERC 961,296, p. 62,132 (1989), FERC declined
to depart from the 3 CP method based on “monthly load paterns and reserve margins as affected by
scheduled maintenance” which “show that Southwestern’s capacity requirements are largely determined
by the peak demands imposed on the system during a three-month summer period.”

140

In Blue Ridge Power Agency v. Appalachian Power Co., Opinion No. 363, 55- FERC 161,509, p. 62,788
(1991), FERC accepted the Staff's method for deriving 2 coincident peak esdimate, The Staff asserted thar
the noncoincident peak estimate must be divided by the diversity factor to convert each noncoincident
peak demand into a comparable coincident peak demand. 55 FERC at 62,788-89. The “diversity factor
is the noncoincident peak demand divided by the coincident peak demand.” 55 FERC at 62,788 n. 87.
FERC, however, stated that “{njormally, we would calcuiate the coincident peak demand for the sales for
resales group by looking at its consumption at the time of Appalachian’s peak. In this case, however, we
have the forecasted monthly noncoincident peak demands for the customer group” and that “[ulsing the
historical diversity factor for the group, we can derive the calculated coincident peak.” Id.
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used in developing the estimate and not just one year. See, e.g., Otter Tasl Power Co., Opinion
No. 93, 12 FERC 961,169, p. 61,429 (1980); Commonwealth Edison Co., 15 FER.C at
65,190, affd, Opinion No. 165, 23 FERC 61,219 (1983) (3 year average adopted); Seuthern
California Edison Co., Opinion No. 359-A, 54 FERC at 62,020 (accepted system peak
demand and energy sales forecasts based on 1967-1981 data and 1981 coincidence factors).
In other cases, FERC, however, has adopted CP projections based on the use of one vear’s
data. See, e.g., Carolina Power & Light Co., Opinion No. 19, 4 FERC at 61,229-30.

Second, FER.C has expressed concern that the numerator and the denominator be
developed on similar bases. In Otter Tail Power Co., Opinion No. 93, 12 FERC at 61,429,
FERC modified a demand allocator to provide for the use of the same number of years data
in the derivation of both the numerator and the denominator.

Finally, FER.C has held that billing demands should be consistent with the demands
used in the demand allocator. See El Paso Electric Co., Opinion No. 109, 14 FERC 961,082,
p. 61,147 (1981).
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FERC TEST CALCULATIONS

January
February
March
April
May
June
July
August
September
October
November

December

Minimum Peak {Min}
Maximum Peak (Max)
Summer Month Avg (4-Month Avg)
Other Months Avg (8-Month Avg)
12 Month Avg

Percentage 1a = Summer Month Avg / Max
Percentage 1b = (8-Month Avg) / Max

FERC Test 1
FERC Test 2

FERC Test 3

Percentage 1a - Percentage 1b
Minimum Peak / Maximum Peak

12 Month Avg / Maximum Peak

Empire Monthily
Peaks (MWs)}

987

865

806

697

736

927

1019

1041

813

613

754

849

613
1041
950
788.375
842.25

91.26%
78.73%

15.53%

58.89%

80.91%
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Month
Jan-03
Feb-03
Mar-03
Apr-03
May-03
Jun-03
Jul-03
Aug-03
Sep-03
Oct-03
Nov-03
Dec-03
2003 Avg

Allocation Factor

DEMAND ALLOCATION FACTOR

Missouri
Retail

838.5
718
655.8
5725
592
751.3
8242
841.8
659.9
4942
626.6
707.9
690.225

0.8195

Non-Missouri
Retail

92.2

93.8

99.6

774

91.8

112.3

1283

131.4

98.5

753

83

93.3

98.075

0.1164

Wholesale

56.3

93.2

506

47 1

522

63.4

66.5

67.8

54.6

43.5

444

478

53.95

0.0641

Total
System

987

865

806

697

736

927

1019

1041

813

613

754

849

84225

1.0000
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Month

Jan-03

Feb-03

Mar-03

Apr-03

May-03

Jun-03

Jul-03

Aug-03

Sep-03

Oct-03

Nov-03

Dec-03

12 Month Totals
Normalization Adjustment
Annualization Adjustment
Customer Growth Adjustment
Wholesale Weather Adjustment

Adjusted 12 Month Totals

Allocation Factor

ENERGY ALLOCATION FACTOR

Missouri
Retail

369,708,070
317,223,458
298,656,571
257,459,818
264,264,558
296,500,157
391,216,965
394,451,812
279,093,124
270,629,843
288,982,432
346,194,243
3,774,381,151
12,648,117
19,886,697

61,784,614

3,868,710,579

0.8249

Non-Missouri
Retait

45,751,897
40,162,021
38,410,879
34,772,971
36,405,856
42,004,481
54,201,756
55,475,453
39,759,951
35,564,645
37,166,897
43,672,099
503,368,946
3,802,370
2,819,162

700,484

510,680,952

0.1089

Wholesale
28,138,040
24,660,500
24,670,580
23,092,220
24 137,280
25,728,600
31,658,360
31,984,200
24 193,740
22,905,180
22,249,880
25,157,480

308,574,060

1,728,578
310,302,638

0.0662

Total
System

443,598,007
382,045,979
361,738,030
315,325,009
324,807,734
364,231,238
477,077,081
481,911,565
343,046,815
329,119,668
348,399,209

415,023,822

4,586,324,157

16,450,487
22,705,849
62,495,098

1,728,578

4,689,704,169

1.0000
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